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Advisory

Forward Looking Statements

In the interest of providing Baytex's shareholders and potential investors with information regarding Baytex, including management's assessment of Baytex's 
future plans and operations, certain statements made by the presenter and contained in these presentation materials (collectively, this "presentation") are 
"forward-looking statements" within the meaning of the United States Private Securities Litigation Reform Act of 1995 and "forward-looking information" 
within the meaning of applicable Canadian securities legislation (collectively, "forward-looking statements").  The forward-looking statements contained in 
this presentation speak only as of the date of this presentation and are expressly qualified by this cautionary statement.

Specifically, this presentation contains forward-looking statements relating to: our business strategies, plans and objectives; our ability to fund our capital 
expenditures and dividends on our common shares from funds from operations; oil and natural gas production in 2011; production growth rates; our 
dividend policy; capital expenditures; funds from operations for the fourth quarter of 2011; drilling and operational plans; reserves and reserve life index; the 
net present value of our reserves and contingent resource; our long range plan for 2012-2017, including production decline rates, number of wells to be 
drilled, dividends on our common shares, effective cash income tax rates, production and funds from operations growth rates, our ability to fund our capital 
expenditures and dividends on our common shares from funds from operations and annual production volumes; our Seal heavy oil resource play, including 
original oil in place, the viability and economics of long-term commercial development using primary (cold) and thermal development, number of potential 
drilling locations, drilling and completion costs, initial production rates, estimated recoverable reserves, finding and development and operating costs, 
recovery factors, production efficiency ratios, steam-oil ratios, the pre-tax present value (unrisked) per barrel of recoverable reserve, the timing of 
completing a commercial scale thermal development using a 10-well module; and our assessment of the cyclic steam pilot projects at Harmon Valley and 
Cliffdale; our Lloydminster heavy oil property, including reserve life index, 2011 capital expenditures, drilling and operational plans for 2011, number of 
potential drilling locations, efficiency ratios, netbacks and recycle ratios; our Kerrobert steam-assisted gravity drainage project, including steam-oil ratios, 
number of potential drilling locations, expansion of steam capacity, capital expenditures and estimated recoverable reserves; rates of return for our heavy oil 
projects; profit/investment ratios for North American resource plays; pricing differentials between light, medium and heavy gravity crude oils; proposed 
pipeline infrastructure development; the supply of crude oil from Western Canada; pipeline capacity for Western Canadian crude oil; refining and upgrading 
capacity for heavy oil; the demand and supply outlook for heavy oil; our Bakken/Three Forks and Viking light oil resource plays, including initial production 
rates, estimated recoverable reserves, drilling and completion costs per well, the number of potential drilling locations, rates of return, number of prospective 
sections of land, potential development of middle Bakken zone, and drilling and operational plans for 2011; the existence, operation and strategy of our risk 
management program, including the portion of future exposures that have been hedged; our debt to EBITDA, debt to funds from operations, interest 
coverage, debt to reserves and debt to enterprise value ratios; our 2011 funds from operations; our 2011 year-end debt to funds from operations ratio; the 
sensitivity of our 2011 funds from operations to changes in West Texas Intermediate oil prices, natural gas prices, heavy oil differentials and Canada-United 
States foreign exchange rates; the taxation of our dividends; and our valuation based on various metrics customarily used in the oil and gas industry relative 
to other oil-weighted Canadian producers. In addition, information and statements relating to reserves are deemed to be forward-looking statements, as they 
involve implied assessment, based on certain estimates and assumptions, that the reserves described exist in quantities predicted or estimated, and that the 
reserves can be profitably produced in the future. Cash dividends on our common shares are paid at the discretion of our Board of Directors and can 
fluctuate. The level of future cash dividends will depend on the amount of funds from operations generated by our operations and our prevailing financial 
circumstances at the time.
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Advisory

These forward-looking statements are based on certain key assumptions regarding, among other things: petroleum and natural gas prices and pricing 
differentials between light, medium and heavy gravity crude oils; well production rates and reserve volumes; our ability to add production and reserves 
through our exploration and development activities; capital expenditure levels; the receipt, in a timely manner, of regulatory and other required approvals; 
the availability and cost of labour and other industry services; the amount of future cash dividends that we intend to pay; interest and foreign exchange 
rates; and the continuance of existing and, in certain circumstances, proposed tax and royalty regimes.  The reader is cautioned that such assumptions, 
although considered reasonable by Baytex at the time of preparation, may prove to be incorrect.

Actual results achieved during the forecast period will vary from the information provided herein as a result of numerous known and unknown risks and 
uncertainties and other factors.  Such factors include, but are not limited to:  fluctuations in market prices for petroleum and natural gas; fluctuations in 
foreign exchange or interest rates; general economic, market and business conditions; stock market volatility and market valuations; changes in income tax 
laws; industry capacity; geological, technical, drilling and processing problems and other difficulties in producing petroleum and natural gas reserves; 
uncertainties associated with estimating petroleum and natural gas reserves; liabilities inherent in oil and natural gas operations; competition for, among 
other things, capital, acquisitions of reserves, undeveloped lands and skilled personnel; risks associated with oil and gas operations; changes in royalty 
rates and incentive programs relating to the oil and gas industry; changes in environmental and other regulations; incorrect assessments of the value of 
acquisitions; failure to obtain the necessary regulatory approvals on the planned timeliness; and other factors, many of which are beyond the control of 
Baytex.  These risk factors are discussed in Baytex's Annual Information Form, Annual Report on Form 40-F and Management's Discussion and Analysis 
for the year ended December 31, 2010, as filed with Canadian securities regulatory authorities and the U.S. Securities and Exchange Commission.

There is no representation by Baytex that actual results achieved during the forecast period will be the same in whole or in part as those forecast and 
Baytex does not undertake any obligation to update publicly or to revise any of the included forward-looking statements, whether as a result of new 
information, future events or otherwise, except as may be required by applicable securities law.

Oil and Gas Information

This presentation contains estimates as of May 1, 2011 of the volumes of, and the net present value of the future net revenue from, the "contingent 
resource" for three of our oil resource plays:  the Bluesky in the Seal area of Alberta; the Bakken/Three Forks in North Dakota; and the Viking in southeast 
Alberta and southwest Saskatchewan. These estimates were prepared by our independent qualified reserves evaluator, Sproule Associates Limited 
("Sproule").

"Contingent resource" is not, and should not be confused with, petroleum and natural gas reserves. "Contingent resource" is defined in the Canadian Oil 
and Gas Evaluation Handbook as: "those quantities of petroleum estimated, as of a given date, to be potentially recoverable from known accumulations 
using established technology or technology under development, but which are not currently considered to be commercially recoverable due to one or more 
contingencies. Contingencies may include factors such as economic, legal, environmental, political and regulatory matters or a lack of markets. It is also 
appropriate to classify as contingent resource the estimated discovered recoverable quantities associated with a project in the early evaluation stage.“

Advisory

A range of contingent resource estimates (low, best and high) were prepared by Sproule.  A low estimate (C1) is considered to be a conservative estimate of the quantity of 
the resource that will actually be recovered. It is likely that the actual remaining quantities recovered will exceed the low estimate. Those resources at the low end of the 
estimate range have the highest degree of certainty (a 90% confidence level) that the actual quantities recovered will be equal or exceed the estimate.  A best estimate (C2) 
is considered to be the best estimate of the quantity of the resource that will actually be recovered. It is equally likely that the actual remaining quantities recovered will be 
greater or less than the best estimate.  Those resources that fall within the best estimate have a 50% confidence level that the actual quantities recovered will be equal or 
exceed the estimate.  A high estimate (C3) is considered to be an optimistic estimate of the quantity of the resource that will actually be recovered. It is unlikely that the 
actual remaining quantities of resource recovered will meet or exceed the high estimate. Those resources at the high end of the estimate range have a lower degree of 
certainty (a 10% confidence level) that the actual quantities recovered will equal or exceed the estimate.

The primary contingencies which currently prevent the classification of the contingent resource as reserves consist of: preparation of firm development plans, including 
determination of the specific scope and timing of the project; project sanction; access to capital markets; stakeholder and regulatory approvals; access to required services 
and field development infrastructure; oil prices; demonstration of economic viability; future drilling program and testing results; further reservoir delineation and studies; 
facility design work; limitations to development based on adverse topography or other surface restrictions; and the uncertainty regarding marketing and transportation of 
petroleum from development areas.

There is no certainty that it will be commercially viable to produce any portion of the contingent resource or that Baytex will produce any portion of the volumes currently 
classified as contingent resource.  The estimates of contingent resource involve implied assessment, based on certain estimates and assumptions, that the resource 
described exists in the quantities predicted or estimated and that the resource can be profitably produced in the future.  The net present value of the future net revenue from 
the contingent resource does not necessarily represent the fair market value of the contingent resource.

The recovery and resource estimates provided herein are estimates only. Actual contingent resource (and any volumes that may be reclassified as reserves) and future 
production from such contingent resource may be greater than or less than the estimates provided herein.

Baytex has adopted the standard of 6 Mcf:1 BOE when converting natural gas to BOEs. BOEs may be misleading, particularly if used in isolation. A BOE conversion ratio of 
6 Mcf:1 BOE is based on an energy equivalency conversion method primarily applicable at the burner tip and does not represent a value equivalency at the wellhead.

Non-GAAP Financial Measures

This presentation refers to funds from operations, which does not have any standardized meaning prescribed by generally accepted accounting principles in Canada 
("GAAP").  We define funds from operations as cash flow from operating activities adjusted for financing costs, changes in non-cash operating working capital and other 
operating items.  We believe that this measure assists in providing a more complete understanding of certain aspects of our results of operations and financial performance, 
including our ability to generate the cash flow necessary to fund future dividends to shareholders and capital investments.  However, funds from operations should not be 
construed as an alternative to traditional performance measures determined in accordance with GAAP, such as cash flow from operating activities and net income.  Please 
refer to our most recent management's discussion and analysis of financial condition and results of operations for a reconciliation of funds from operations to cash flow from 
operating activities. contains estimates as of May 1, 2011 of the volumes of, and the net present value of the future net revenue from, the "contingent resource" for three of 
our oil resource plays:  the Bluesky in the Seal area of Alberta; the Bakken/Three Forks in North Dakota; and the Viking in southeast Alberta and southwest Saskatchewan. 
These estimates were prepared by our independent qualified reserves evaluator, Sproule Associates Limited ("Sproule").
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• Sustainable model: Dividend + organic oil growth wi thin internally-
generated cash flow

• Focus on dividend growth + per share growth in prod uction, reserves 
and cash flow

• Sector-leading capital efficiency

• Technical focus

• Long-term, low-cost development inventory in both h eavy and light oil

• Conservative payout ratio and strong balance sheet

• Long-term market out-performance and compelling val uation

Summary

Corporate Background
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• Baytex Energy Ltd. – Publicly-traded E&P corporation  from 1993-2003

– One of only six independent E&P names from 1993 that are still traded on the TSX

– Heavy oil emphasis and infrastructure development began in 1997

• Baytex Energy Trust – Income trust from 2003-2010 

– Baytex Energy Trust and Crew Energy Inc. created from Baytex Energy Ltd.

– BTE listed on NYSE in March 2006

– Highest total return among oil and gas trusts during Baytex Energy Trust era

• Baytex Energy Corp. – Publicly-traded E&P corporatio n since January 2011

Corporate History

$101.00 / 6.6%Current Price / Yield-to-Worst

C$1.2 billionCumulative Cash Distributions / Dividends

August 2016Maturity Date

C$0.22/shareMonthly Dividend

TSX: 510,300  /  NYSE: 250,000Average Daily Volume (1)

C$6.7 billion / C$7.4 billionMarket Value of Equity / Enterprise Value 

C$150 millionPrincipal Outstanding

9.15% Series A Senior Unsecured Debentures (3)

$106.75 / 5.4%Current Price / Yield-to-Worst

TSX / NYSE: BTETrading Symbol

6.75% Series B Senior Unsecured Debentures 

US$150 millionPrincipal Outstanding

February 2021Maturity Date

4.6% 

117.9 million

Dividend Yield (2)

Shares Outstanding (Current)

Common Shares

Summary of Securities

(1) Average daily trading volumes for December 2011. Volumes are a composite of all exchanges in Canada and the U.S.
(2) The dividend yield is calculated by dividing the annualized dividend of C$2.64 by the closing price of Baytex shares of C$56.97 on the TSX on December 30, 2011.
(3) The US$180 million 9.625% Senior Subordinated Notes due July 15, 2010 were redeemed on September 25, 2009.
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Share Ownership Breakdown

Baytex shareholder base, estimated 
on January 1, 2012. Sources: IPREO 
and Baytex internal data.

Ownership breakdown is based on 
fully-diluted shares.

Ownership Breakdown:

Institutional 70%
Retail 28%
Insiders 3%

100%

Canada 68%
U.S. 26%
Europe/Asia 3%
Insiders 3%

100%

Canada - Institutional 52%

US - Retail 12%

Europe/Asia - Institutional  3%

US - Institutional 14%

Canada - Retail  16%

Insiders 3%

Analyst Coverage

katherine.l.minyard@jpmorgan.com(212) 622-6402Katherine MinyardJ.P. Morgan

pskolnick@canaccordgenuity.com(212) 849-3933Phil SkolnickCanaccord Genuity

grant.hofer@barclayscapital.com(403) 592-7460Grant HoferBarclays Capital

kyle.preston@nbfinancial.com(403) 290-5102Kyle PrestonNational Bank Financial

gcurrie@salmanpartners.com(403) 232-5747Gord CurrieSalman Partners

patrick_bryden@scotiacapital.com(403) 213-7750Patrick BrydenScotia Capital

travis.wood@tdsecurities.com(403) 292-1222Travis WoodTD Newcrest

(403) 695-3639

(403) 299-2389

(403) 221-0414

(403) 261-2250

(403) 539-8542

(403) 262-0626

(403) 532-6613

(403) 476-6022

(403) 750-7209

(403) 260-8657

(403) 515-1501

Phone

klo@firstenergy.comKevin LoFirstEnergy Capital

allan.stepa@vmd.desjardins.comAllan StepaDesjardins Securities

Cristina Lopez

Analyst

kristopher.zack@raymondjames.caKristopher ZackRaymond James

matt.donohue@ubs.comMatt DonohueUBS Securities

mark.j.friesen@rbccm.comMark Friesen  RBC Capital Markets

jmartin@petersco.comJeff MartinPeters & Co. Limited

cristina.lopez@macquarie.comMacquarie Capital Markets

jason.frew@credit-suisse.comJason FrewCredit Suisse Securities

jfleming@cormark.comJonathan FlemingCormark Securities

jeremy.kaliel@cibc.caJeremy KalielCIBC World Markets

gordon.tait@bmo.comGordon TaitBMO Nesbitt Burns

EmailCompany
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Operating Areas

Reserves by Product (Year End 2010)

Heavy Oil
73%

Light Oil
18%

Gas 9%

Production Split by Jurisdiction

Saskatchewan
39%

BC 3%

Alberta
54%

US 4%

Product Mix (6:1) 
Company Total = 54,000 - 55,000 boe/d  

(Full Year Guidance 2012)

Heavy Oil
69%

Gas
15% Light Oil

16%

Management
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Management Team

VP (Berry)SPE, B. Sc.VP, U.S. Business UnitDan G. Anderson

VP (Nexen)B. Comm., MBAVP, MarketingGeoffrey J. Darcy

COO (Delphi)B. Sc. EngineeringVP, PlanningMichael S. Kaluza

Research Analyst (Scotia Capital, CIBC)CFA, B. Comm.VP, Investor RelationsBrian G. Ector

Shiningbank, EnbridgeB. Law, B. Comm. VP, Gen. Counsel and 
Corp. Secretary

Murray J. Desrosiers

P. Eng., B. Sc. Engineering

P. Eng., B. Sc. Engineering

CPL, B. Sc. Mineral Land Mgmt.

CAPL

B. Sc. & M. Sc. Geology

P. Eng., B. Sc. Engineering

P. Eng,
B. Sc. & M. Sc. Engineering

CA, B. Comm.

P. Eng., CFA, MBA, 
B. Sc. Engineering

Education

Santa Fe SnyderVP, U.S. Business 
Development

Timothy R. Morris

Newport, StampederVP, LandBrett J. McDonald

Position

VP (Burlington/ConocoPhillips)VP, Conventional 
Oil & Gas

Mark F. Smith

VP (Encana)CFOW. Derek Aylesworth

COO (TAQA North)VP, Heavy OilRichard P. Ramsay

VP Heavy Oil (Baytex)VP, ExplorationStephen Brownridge

Managing Director (Waterous Securities), 
Pres. & CEO (Enercap)

SVP, Corp. Dev.Randal J. Best

SVP (N.A. Oil Sands Co.), VP (Murphy)COOMarty L. Proctor

COO (Baytex)
Pres. & CEO (Dominion Canada)

President & CEOAnthony W. Marino

Previous ExperienceOfficer

As at December 31, 2011

Management Ownership

Officers’ share ownership is approximately 16x total annual salary as of January 3, 2012 (not including LTIP positions).
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Long Term Incentive Plan (LTIP)

• New LTIP approved by shareholders in conjunction wi th corporate conversion

– Replaced prior option-based plan from income trust era

– New LTIP is a full-value based plan with “Restricte d Shares” and “Performance Shares”

• All employees and full-time contractors receive grant s under LTIP

• Performance Shares

– Performance Shares made up approximately 40% of 201 1 grants

– Payout multiplier may range from zero to 2x based o n performance criteria

– Performance Criteria (equally weighted)
� 1-yr total return vs. member companies of the S&P/TSX Oil & Gas E&P Index
� 3-yr total return vs. member companies of the S&P/TSX Oil & Gas E&P Index
� 5-yr total return vs. member companies of the S&P/TSX Oil & Gas E&P Index
� Recycle ratio vs. peer group of dividend paying E&P companies
� Actual production vs. public guidance

� Development and execution of strategic plan

• Dilution rate for 2011 grants (assuming Performance S hare payout multiplier = 1) 
was 0.5% of shares outstanding

Board of Directors

B. Sc. GeologyReservesPresident & CEO, 
Crew Energy Inc.

Dale O. Shwed

ICD, FCA, B. Sc. AccountingAuditAlberta Minister of Energy, 
Member of Legislative 
Assembly of Alberta (1)

Gregory K. Melchin

P. Eng., CFA, MBA, B. Sc. 
Engineering

President & CEO, Baytex 
Energy Corp.

Anthony W. Marino

Audit

Audit, Compensation, 
Nominating and 

Governance

Lead Independent 
Director, Compensation, 

Reserves, Nominating 
and Governance

Compensation, 
Reserves, Nominating 

and Governance

Executive Chairman

Role / CommitteeOccupation

B. Law, B. A. History and 
Economics

Partner, BD&P LLPJohn A. Brussa

B. Comm.Senior Vice President, 
Raymond James Ltd.

R.E.T. (Rusty) 
Goepel

CBV, MBA, B. A. Math and 
Economics

Senior Managing Director, 
Raymond James Ltd. (1)

Naveen Dargan

B. Sc. & M. Sc. EngineeringPresident & CEO, Tarragon Oil 
& Gas Ltd. (1)

Edward Chwyl

CA, B. Comm.CEO, Baytex Energy Trust (1)Raymond T. Chan

EducationDirector

(1) Previous occupation(s). 
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Historical Performance

Distribution / Dividend History

Note: In Q3 2011, the net DRIP participation rate was 28%.
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34,647 34,292 36,222
40,239 41,382 44,341

50,000
54,500

34,022

0

10,000

20,000

30,000

40,000

50,000

2004 2005 2006 2007 2008 2009 2010 2011 2012

bo
e 

/ 
d

Oil-Equivalent Production Growth

(1) Based on low end of guidance range of 50,000 – 50,500 boe/d. Includes February 2011 heavy oil acquisition.
(2) Based on mid-point of guidance range of 54,000 – 55,000 boe/d.
Gas converted to oil-equivalent at 6 mcf: 1 boe.

���

8% CAGR
9% Growth

85%84%79%76%77%76%73%71%73%Percent Oil

���

20,735 21,325 23,530 24,678
28,585

35,000
37,600

2,172 3,842 3,735
5,483

7,595 6,937

6,539

7,000

8,700
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Heavy Oil Light Oil & NGL

Oil Production Growth

(1) Based on low end of guidance range. Includes February 2011 heavy oil acquisition.
(2) Based on mid-point of guidance range.

(1)

24,875 24,577 25,060
27,575

31,125 31,615

35,124

42,000

11% CAGR 10% Growth

46,300

(2)
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400

-

400

54,500

49.2

37,600

8,700

Full Year

Guidance

2012 (3)

284

47

237

44,341

55.3

28,585

6,539

2010

492

137

355

50,000

48.0

35,000

7,000

Full Year

Guidance

2011 (2)

281

186

95

34,022

54.9

22,703

2,172 

2004

450

265

185

40,239

54.8

23,530

7,595

2008

290

133

157

41,382

58.6

24,678

6,937

2009

133

-

133

34,292

55.4

21,325

3,735

2006

36,22234,647Total (boe/d)

152

22

130

60.4

20,735(1)

3,842 

2005

394

245

149

51.9

22,092

5,483

2007

Natural gas (MMcf/d)

Heavy oil (bbl/d)

Total

Acquisitions (net)

E & D

Light oil & NGL (bbl/d)

Capital Expenditures     
(C$ million)

Production

Production / Capital Expenditures

(1) Excluding 2,100 bbl/d of SAGD production purchased on Oct 1/05 and sold on Dec 31/05.
(2) Production rate represents low end of guidance range of 50,000 – 50,500 boe/d. 
(3) Production rate represents mid-point of guidance range of 54,000 – 55,000 boe/d.
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226%

84%

142%

93%

42%

51%

2.0

3.0

13.61

9.00

Trust Era 
2004-10

297%

26%

271%

62%

10%

52%

2.5

5.6

13.17

5.90

2010 

233%

63%

170%

85%

37%

48%

2.0

3.3

15.92

9.54

3-Year 
Average  
2008-10 

165%

52%

113%

89%

40%

49%

1.3

2.4

21.00

11.63

2009

3.12.6Excluding FDC

2.02.1Including FDC

68%114%Acquisitions

39%61%Acquisitions

14.9916.06Including FDC (C$/boe)

9.5913.11Excluding FDC (C$/boe)

225%233%Total

Production Replacement (P+P)

49%43%Exploration & Development 

157%119%Exploration & Development 

104%

2008

5-Year
Average
2006-10

88%Total

CAPEX as a % of FFO (2)

Recycle Ratio (P + P) (1)

FD&A Cost (P + P) (1)

Capital Program Efficiency

(1) Includes both E&D and acquisition CAPEX.
(2) Funds From Operations (“FFO”) includes realized hedging gains / losses.

454
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Funds From Operations Growth

23% CAGR
26% Growth

(1) 2011 FFO based on nine month actual FFO and projected fourth quarter FFO at forward strip prices as at November 8, 2011. Full-year 
prices for 2011 are WTI = US$94.87/bbl, NYMEX = US$4.16/mmbtu, FX = US$1.0118/C$ and Heavy Oil Differential = 18% of WTI. 

(2) 2012 FFO based on forward strip prices as at November 29, 2011. Full-year prices for 2011 are WTI = US$100.15/bbl, NYMEX = 
US$3.75/mmbtu, FX = US$0.9818/C$ and Heavy Oil Differential = 14% of WTI. 
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Per Share Metrics -
For Comparison to Non-Dividend Paying Companies

CAGR

1-Year 3-Year 5-Year Trust Era

Oil Reserves (bbl/share) 29% 17% 15% 15%
Total Reserves (boe/share) 26% 14% 12% 14%

Oil Production (bbl/share) 17% 9% 8% 9%
Total Production (boe/share) 13% 8% 6% 8%

Funds from Operations ($/share) 44% 17% 16% 26%

Debt and Dividend Adjusted

Notes:

(1) Debt Adjustment – outstanding monetary debt at each year-end is converted into common shares at the year-end share 
price. 

(2) Dividend Adjustment – total amount of cash dividends declared is utilized to buy back common shares at the average share 
price during each year. 

(3) Comparison periods as follows: “1-Year” is 2010, “3-Year” is 2007 to 2010, “5-Year” is 2005 to 2010, “Trust Era” is 2003 to 
2010 for reserves, and 2004 to 2010 for production and funds from operations.

Reserves / Contingent Resources
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Reserve Growth / Contingent Resources
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Working interest reserves and contingent resources per NI 51-101 as evaluated by Sproule Associates Limited and adjusted to reflect sale of Dodsland
Viking lands. See “Advisory – Oil and Gas Information” for more information on contingent resources. 
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Contingent Resource Estimate at May 1, 2011 = Best (C2) – 739 MMboe
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Oil-Equivalent Reserve Growth

Proved plus probable working interest reserves per NI 51-101 as evaluated by Sproule Associates Limited.
Gas converted to oil-equivalent at 6 mcf: 1 boe.
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Oil Reserve Growth
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89
96

111
122

143
158

175

Proved plus probable working interest reserves per NI 51-101 as evaluated by Sproule Associates Limited.

208

13% CAGR
19% Growth

35189Viking Total

Viking

1,135739546Total

1263Kerrobert/Whiteside, Saskatchewan (3)

23126Redwater, Alberta

25413859Bakken/Three Forks – Divide/Williams County, ND, USA

846583478Bluesky – Seal, Alberta (excluding 2011 acquisition)

High (C3)
Estimate

Best (C2)
Estimate 

Low (C1)
Estimate(millions of barrels of oil equivalent and bitumen)  (1)

Contingent Resources (2)

As at May 1, 2011

(1) Under National Instrument 51-101 "Standards of Disclosure for Oil and Gas Activities" of the Canadian Securities Administrators ("NI 51-101"), naturally occurring 
hydrocarbons with a viscosity greater than 10,000 centipoise are classed as bitumen.  The majority of the contingent resource at Seal expected to be recovered by thermal 
processes has a viscosity greater than this value; therefore, this component of the contingent resource is classified as bitumen under NI 51-101.

(2) Sproule prepared the estimates of contingent resource shown for each property using deterministic principles and methods. Probabilistic aggregation of the low and high 
property estimates shown in the table might produce different total volumes than the arithmetic sums shown in the table.

(3) Contingent Resource Assessment for Saskatchewan Viking adjusted to reflect sale of Dodsland Viking lands, which closed on November 24, 2011.

See “Advisory – Oil and Gas Information” for more information about contingent resources.

Contingent Resource Assessment
(Recoverable Volumes From Three Resource Plays)

98%98%99%Percent Oil
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Note:  Contingent Resource Assessment for Saskatchewan Viking adjusted to reflect sale of Dodsland Viking lands, which closed on November 24, 2011.

See “Advisory – Oil and Gas Information” for more information about contingent resources.

NPV of Reserves / Contingent Resource

Proved +
Reserves at December 31, 2010 Proved (1P) Probable (2P)
(based on Sproule price forecast effective December 31, 2010) $3.0 $4.2

Net Present Value 
At May 1, 2011 (10%, pre-tax) - $Blns

Forecast prices and costs

Contingent Resource Assessment at May 1, 2011 Low (C 1) Best (C2) High (C3)
(based on Sproule price forecast effective March 31,  2011) Estimate Estimate Estimate

Seal $2.1 $3.1 $4.5
Bakken/Three Forks $0.3 $1.0 $2.0
Viking $0.1 $0.3 $0.6

$2.5 $4.4 $7.1

Net Present Value 
At December 31, 2010 (10%, pre-tax) - $Blns

Forecast prices and costs

Long Range Plan
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Long Range Plan - Construction

• Long Range Plan = Well-by-well economic model of Ba ytex
– Projects all PDP wells individually

– All organic development projects currently identified within existing land base, using existing technologies, 
are available to the model

– Projects budget year (2012) plus five “out-years” (2013-2017)

– Income tax projections are based on current tax pools plus future additions from organic CAPEX program

– Any future land or producing property acquisition will be incremental to Long Range Plan projection

• Product price assumptions
– Commodity assumptions: $90 WTI oil, 15% WCS differential, $4 AECO gas and $1.00 Cdn/US FOREX

– “Flat real” price deck – inflate product prices, CAPEX and OPEX at 2% per year after 2012

• Net wells projected during 2012-2017 plan period

US

Western Cdn LO/Gas

Seal

Lloydminster

Other Oil = 25

Kerrobert SAGD = 7

Thermal = 185Cold = 285

Gas = 30Cardium = 20Viking = 185

Cold Horizontal = 285

Bakken/Three Forks = 95

Cold Vertical = 210

Sustainable Business Model – Uses of FFO

• Dividends
– Monthly dividend of $0.22 per share

– History of three consecutive years of dividend increases (2009 – 2011)

• Income tax
– Commodity assumptions: “flat real” $90 WTI, 15% WCS differential, $4 AECO and $1.00 Cdn/US 

– Inflation assumption: 2% for product prices, CAPEX and OPEX

– Tax rate will vary with commodity prices and other factors

• Organic production and FFO growth (during 2012-2017  plan period)
– Projected organic production CAGR (oil equivalent, including gas) = 9%

– Projected oil production CAGR = 11%

– Projected production mix in 2017: Crude oil = 93%, Natural gas = 7%

– Projected BTAX FFO CAGR = 13%;

– E&D CAPEX and cash dividends internally-funded from after-tax FFO, based on price assumptions above

9%2013 - 2015

0%2012

Average Cash Income Tax

(% of Pre-Tax FFO)Years 
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Projected Production
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Seal – Heavy Oil Resource Play ��
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Legacy Properties Including Acquisition

• Land position
- Crown Purchases 1999-2005

- 67,000 acres (105 sections) of 100% land

- Estimated original oil in place (OOIP) per 
prospective section � 50 million barrels

- February 2011 Acquisition

- 101,000 acres (158 sections) of 100% land

- OOIP and prospectivity not fully delineated

• Primary (cold) development

- Based on 8-lateral well design

- CAPEX = $2.1 million/well 

- IP = 400 - 500 bbl/d per well

- EUR = 490 Mbbl/well

- Drill, complete and equip capital cost              
� $4.30 per bbl 

- Recovery factor: 5-7% OOIP

• Field average OPEX = $3.28 per bbl (2010 
actual)

Seal – Primary Development

6 Hz wells 
Q1/05

2 Hz wells 
Q1/06

9 Hz wells 
Q1/07

8 Hz wells 
Q3/07

10 Hz wells plus 
thermal pilot 

Q1-Q2/08

9 Hz wells 
Q3-Q4/08

4 Hz wells 
Q1/09

12 Hz wells 
Q3-Q4/09

4 Hz wells 
Q1/10

6 Hz wells 
Q2/10

5 Hz wells 
Q3-Q4/10

14 Hz wells
H1/11

Seal Production

5 Hz wells
Q3/11

��
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Seal – Multi-Lateral Cold Horizontal

Total Total 

Wells Single Two Three Four Six/Seven Eight  > Eight  (2) Laterals

2004 2 2 --- --- --- --- --- --- 2
2005 4 4 --- --- --- --- --- --- 4
2006 2 2 --- --- --- --- --- --- 2
2007 17 13 4 --- --- --- --- --- 21
2008 19 --- 18 1 --- --- --- --- 39
2009 17 1 1 7 3 2 3 --- 72

2010 (1) 14 --- 1 --- --- 1 10 2 111
9 Mths 2011 21 --- --- --- --- 1 --- 20 262

Total 96 22 24 8 3 4 13 22 513

Initial Rate (bbl/d) 160 230 300 390 400 450 575
Capex per Well ($mlns) $1.1 $1.3 $1.5 $1.7 $1.8 $2.1 $2.6
Production Efficiency $6,900 $5,400 $5,000 $4,200 $4,500 $4,650 $4,500
($ per boe/d)

(1)  Table excludes eight Hz re-entries (87 laterals) drilled in 2010 with average rates
     of 480 bbl/d.

    wells drilled to date with greater than 8 laterals, the average # of laterals per well is 13.

(2)  
Current well design is 8 mile-long laterals along with several shorter laterals. Of the 22

Number of Laterals

��

Seal – Multi-Lateral Analysis

Note:  Analysis prepared by Sproule Associates Limited, as at December 31, 2010.
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• Modular development
- Readily executable 10-well module size

- Traditional oil and gas area with strong services 
presence and infrastructure

- CAPEX = $31 million

• Recovery per 10-well module (Baytex estimates 
based on Cliffdale pilot)

- Recovery factor � 30% based on numerical 
reservoir simulation

- Simulation validated by two field pilots

- Oil rate = 1,900 bbl/d (peak year) 

- EUR = 4.7 MMbbl

- Cumulative SOR = 2.9 BS/BO

- OPEX using $4.00 per mcf gas cost = $14 per bbl

- Unrisked pre-tax NPV 10 based on $90 WTI / 15% 
WCS differential / $1 Cdn/US = approximately $9 
per bbl, assuming immediate development timing

• Model based on 50 meter inter-well spacing 
(approximately 33 wells per section)

• Operation of first commercial module 
commenced in December 2011

Seal – Thermal EOR Development ��
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Seal – Harmon Valley Thermal EOR Pilot

• Original thermal EOR (CSS) test

- Harmon Valley is currently being 
developed by cold primary methods

- Steam test was in a single lateral 
horizontal well in upper part of Bluesky 
Sand

• CSS pilot objectives

- Demonstrate steam injectivity into 
Bluesky Sand

- Successful post-steam artificial lift 

- Validate numerical reservoir simulation 
to predict long-term performance

- Achieve economic oil rate and SOR

• Numerical reservoir simulation predicts 
further performance improvement in 
subsequent cycles

• Because this area has cold 
development, SOR is shown both gross 
and net of projected cold production

��
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• New development area

- Seven miles east of Harmon Valley

- Not planned for large-scale cold 
development

- Oil viscosity four times higher than 
in Harmon Valley pilot

- Single-lateral horizontal well in 
lower part of Bluesky Sand

• CSS pilot objectives

- Demonstrate injectivity into more 
viscous oil interval with little prior 
cold production

- Multi-cycle test with injectivity, oil 
rate and SOR improvement 

- Validate numerical reservoir 
simulation to predict long-term 
performance

- Achieve economic oil rate and SOR 

• Numerical reservoir simulation 
predicts further performance 
improvement in subsequent cycles

Seal – Cliffdale Thermal EOR Pilot
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31.2

Dec 31/09

23

218

167

77

83.9

45.0

Dec 31/10

12

109

103

25

28.7

20.2

Dec 31/07

Locations Assigned Reserves

4486Proved Producing

1066214Total Proved

1346420Proved plus Probable

39.213.04.0Proved plus Probable

27.08.52.2Total Proved 

Land Assigned Reserves

1584Sections (640 acres)

Dec 31/08Dec 31/06Dec 31/05

Reserves (MMbbl)

Seal – Reserves Recognition

Notes: Proved volumes for 2010 include 5.1 MMbbls of  thermally-enhanced oil recovery covering approxima tely one 
half section of land (20 locations). Proved plus pr obable volumes for 2010 include 30.3 MMbbls of therm ally-enhanced 
oil recovery covering approximately 1.5 sections of  land (60 locations).  All other reserve volumes ar e for cold 
development. 

Contingent Resource Assessment for Seal, prepared b y Sproule Associates Limited as at May 1, 2011 = 47 8.3 MMboe 
of oil and bitumen (low estimate), 583.3 MMboe of o il and bitumen (best estimate) and 845.9 MMboe of o il and bitumen 
(high estimate). See “Advisory – Oil and Gas Informa tion” for more information about contingent resource s.

��

Seal – Low Environmental Impact

Baytex Seal Thermal Project
Non-Mining Oil Sands Development
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Lloydminster Heavy Oil 

• 9 Months 2011 Production = 20,600 boe/d  
(42% of total Baytex volumes)

• Oil Gravity = 11 to 18 °API

• YE 2010 Reserves (2P) = 85 mmboe
(37% of total Baytex reserves)

• Reserve Life Index (2P) = 11.2 years

• Land Position = 513,600 net acres

• 2010 Drilling: 67 gross (56.7 net) wells
95% success rate

40% horizontal wells

• 2011 E&D CAPEX: � $90 million 

• 2011 Drilling: � 90 gross (85 net) wells
� 50% horizontal wells

��

Lloydminster Drilling Inventory

• > 5 year drilling inventory 

• Drilling inventory has increased 
by 75% over the past five years

• Development includes vertical & 
horizontal cold / waterflood / 
thermal (SAGD)

• Efficiency ratios (half cycle):

� ���������	
���	
�
� ������
��	����	��������
	�	
�	�

• 2010 netback of $34.50/boe 
generates a recycle ratio of 3.4x

��

Area Production (boe/d)
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• Obtained as part of SW Saskatchewan 
acquisition in July 2009

• Baytex redevelopment to date

- Drilled, completed and equipped 3 new well 
pairs and 2 stratigraphic tests

- Expanded steam distribution system

- Optimized steam use from existing plant

- Total CAPEX to date = $19 million

- Current field SOR = 2.2 (based on dry steam)

• Planned future development

- 9 new well pairs and 4 stratigraphic tests

- 67% steam capacity expansion via feedwater
pre-heater

- Total future CAPEX � $40 million

- Oil to be developed � 8.4 million bbls (2P 
reserves)

Kerrobert SAGD Development
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Heavy Oil Investment Metrics

Assumptions: Lloyd Blend differential to WTI = 15% 
Condensate discount to WTI = US $2.50 per bbl
Gas cost for thermal project = Cdn $6.50 per mcf
Cdn dollar = US $0.96
Flat prices (no escalation of oil price or gas cost)
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North America Resource Play Comparables

Source: Scotia Capital as at March 2011. Profit/Investment Ratio (PIR) defined as the present value of the future cash flows (after-tax, 9% discount rate) 
divided by the initial investment.
Commodity assumptions: WTI oil US$95.00/bbl, NYMEX gas US$5.00/mcf, heavy oil differential to Western Canadian Select 25%.
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Heavy Oil Differential
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Winter (low demand) season  (Oct – Mar)

Summer (high demand) season (Apr – Sep)

Note: January 2012 differential uses month-to-date WTI price as of January 3, 2012.
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Note: Lloyd differential shifted back one month to reflect trading sequence versus WTI cash settlement.

2005 – 2007 Regression (R
2 = 0.15)

2008 – 2011 Regression (R
2 = 0.35)

2012 Hedges
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Source: Canadian Association of Petroleum Producers  “Crude Oil Forecast, Markets and Pipelines Report” , June 2011.

Market Reach Circa 2000

Cushing 2006 - 2011

USGC 2006 - 2013 

Pacific 2015 - 2020

Midstream Heavy Oil Fundamentals –
Infrastructure Development

Midstream Heavy Oil Fundamentals –
Pipeline Capacity vs. Crude Production

Source: Canadian Association of Petroleum Producers, June 2011. 
Notes:  Black lines represent Western Canadian crude supply including diluent volumes.  Even though projected aggregate capacity volumes exceeds 
projected aggregate crude oil supply, transportation constraints could still develop to specific transportation destinations.  In addition to the pipelines shown 
here, new pipelines may be built to access new markets such as the Pacific Rim.
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Notes: Lloydminster coking margin shown through 2008; WCS coking margin used starting 2009.  Mayan coking margins shown 
are for the U.S. Gulf Coast.
Source: Bloomberg.

Downstream Heavy Oil Fundamentals –
Mid-Continent Refining Margins

($10)

$0

$10

$20

$30

$40

$50

Ja
n-

07

A
pr

-0
7

Ju
l-0

7

O
ct

-0
7

Ja
n-

08

A
pr

-0
8

Ju
l-0

8

O
ct

-0
8

Ja
n-

09

A
pr

-0
9

Ju
l-0

9

O
ct

-0
9

Ja
n-

10

A
pr

-1
0

Ju
l-1

0

O
ct

-1
0

Ja
n-

11

A
pr

-1
1

Ju
l-1

1

O
ct

-1
1

R
ef

in
in

g 
M

ar
gi

n 
(U

S
$/

bb
l)

Maya Coking (USGC)

Brent Crking

Bonny Lt Crking

WTI Cracking

Forcados Cracking

Basrah Cracking

Arab Lt. Cracking

Arab Hvy Coking

LLoyd/WCS Coking

Heavy Oil Demand – Supply Balance

• Refinery/upgrader expansions to run additional heav y blend and raw heavy oil
– Does not include potential US Gulf Coast refinery demand
– Values shown are average additional capacity during each calendar year

• CAPP demand/supply forecast supports tightening hea vy blend market 
– Does not include incremental demand from PADD III (excludes impact of Keystone XL and 

potential Cushing-to-Gulf Coast pipelines)

11421812067142CAPP heavy blend annualized demand growth (thousand bbls/d)

22118(20)110Annualized net demand growth (thousand bbls/d)

1311099890110Cumulative net demand growth (thousand bbls/d)

922071128732CAPP heavy blend annualized supply growth (thousand bbls/d)

20152014201320122011

40

40
-
-
-
-

2015

130180155130Annual heavy refining capacity growth (thousand bbl s/d)

10--100Canadian upgraders raw heavy (Shell AOSP, CNRL/NW Upgrader)
---15Holly Artesia (Navajo Refining)

120120--BP Whiting Refinery (Modernization Project)
-6020-Marathon Detroit Refinery (HOUP)
--13515Conoco Wood River Refinery (CORE Project)

2014201320122011

Sources: Canadian Association of Petroleum Producers “Crude Oil Forecast, Markets and Pipelines Report” (June 2011), Macquarie Capital (USA) Inc. and 
internal Baytex research.
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Light Oil Projects

Light Oil Resource Plays

��

Bakken / 
Three Forks

Viking

��

��
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Light Oil Resource Potential 

High (C3)Best (C2)Low (C1)Potential NetWell Cost (1)Recovery (1)Initial Rate (1)

Contingent Resource (2)

(millions of barrels of oil)Estimated

EstimateEstimateEstimateLocations (1)($Mln/well)(Mboe/well)(Boe/d / well)

67.4

5.4

2.8

59.2

155.3

11.3

5.9

138.1

105

100

100 - 300

C$2.0

C$1.1

US$6.1

288.7Total

22.7

12.2

100

50

110

50

Viking (AB) (4)

Viking (SK) (4)

253.8420420

Bakken / 
Three Forks (3)

(1) Initial 30-day rate, estimated recovery per well, well cost, and potential net locations all reflect Baytex internal estimates.   

(2) Contingent Resource Assessment prepared by Sproule Associates Limited as at May 1, 2011. Contingent Resource Assessment for 
Saskatchewan Viking adjusted November 2011 to reflect sale of Dodsland Viking lands. See “Advisory – Oil and Gas Information” for more  
information about contingent resources.

(3) Bakken-Three Forks initial rate and EUR based on 1280-acre well (two-mile long) performance.  Potential net locations based on spacing of 
1 to 3 wells per 2-section drilling spacing unit (DSU).

(4) Alberta Viking uses unfrac’d multi-lateral wells; well cost based on mile-long horizontal wells. Saskatchewan Viking uses frac’d single lateral 
wells.
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Bakken / Three Forks Land Position

• Approximately 130,000 net 

acres in Bakken / Three 
Forks Play

• 95% of net acreage is in 

North Dakota / 5% is in SE 

Saskatchewan

• Majority of acreage 
expected to be Baytex-

operated

• Majority of current 

production is Baytex-
operated Baytex Lands
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Current Three Forks Target

Bakken / Three Forks Type Log

Upper Bakken Shale

Middle Bakken

Lower Bakken Shale

Scallion

Three Forks

Bakken

Lodgepole

Future Middle Bakken Target

Nisku

��

��

��

�&

Potential Future Target
in Lower Three Forks Bench

��

Bakken / Three Forks Light Oil Development

• Current development predominantly in 
the Three Forks formation

• Additional potential to develop Middle 
Bakken

• 180-square mile 3D to guide 
Bakken/Three Forks resource play 
development and identify conventional 
exploration targets

• Initially 1-mile long (640 acre) wells �
now largely shifted to 2-mile long (1280 
acre) wells

• Evolution of frac staging: initially 6 
stages/well � now 20 stages/well �
evaluating 30 stages/well RapidFracTM

• � 10 net wells planned for 2011

��

North Dakota Production (boe/d)
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• Redwater, Alberta

- 93% of current Viking production

- Unfrac’d multi-lateral wells (up to 8 
laterals per quarter section)

- 27 net prospective sections

- 12 gross (10.8 net) wells planned for 2011

• Kerrobert, Saskatchewan
- 7% of current Viking production

- Frac’d single lateral wells

- 21 net prospective sections

- 3 gross (3.0 net) wells planned for 2011

Viking Light Oil Development
��

��

Viking Production (boe/d)
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Light Oil Investment Metrics

Assumptions: Cdn dollar = US $0.95
No inflation of oil prices, capital costs or operating costs.
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Bakken/Three Forks – Impact of Learning Curve

Assumptions: No inflation of oil prices, capital costs or operating costs.
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1280-Acre (2 Mile-Long) 2009-2011: IP = 435 bbl/d, EUR = 440 mboe

1280-Acre (2 Mile-Long) 2004-2008: IP = 190 bbl/d, EUR = 150 mboe

640-Acre (1 Mile-Long) 2009-2011: IP = 290 bbl/d, E UR = 280 mboe

640-Acre (1 Mile-Long) 2007-2008: IP = 250 bbl/d, E UR = 150 mboe

Hedging
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Oil Hedge Coverage

2012 2013 2014
WTI Crude Oil 
% of Crude Oil Volumes Hedged (1)

Fixed Price 2012 average:  US$95.73/bbl 29% 0% 0%

Costless Collars Floor-Ceiling:  2012: US$97.50/bbl - US$105.92/bbl)  (2) 3% 0% 0%
32% 0% 0%

Heavy Oil Differentials

% of Heavy Oil Volumes Hedged (1) 22% 19% 5%
Equivalent Fixed Differential to WTI (US$/bbl) 17.02 19.35 16.15
Equivalent Percent Differential, % of WTI 16.7% 19.7% 17.1%
(equivalent differentials using WTI prices:  2012: US$102.46/bbl, 2013:  US$98.38/bbl, 2014:  US$94.61/bbl)

(1) Percentage of 2011 volumes hedged are based on 54,500 boe/d (mid-point of company guidance), net of royalties (i.e., 
hedgeable volumes).
(2) Average WTI collar range:  2012: US$98.92/bbl (floor) and US$104.92/bbl (ceiling).  See notes to financial statements for 
individual collar contracts.

Other Commodities / FOREX
Hedge Coverage

2012 2013 2014
Natural Gas
% of Natural Gas Volumes Hedged (1)

Fixed Price Average Price: 2012:  C$4.39/mcf 18% 0% 0%
Sold Calls Average Strike/Premium:    

2012: US$5.25/mmbtu/ US$0.48/mmbtu 16% 0% 0%
Total Natural Gas 34% 0% 0%

Condensate Purchases
% of Condensate Requirement Purchased 0% 0% 0%
Equivalent Premium (Discount) to WTI (US$/bbl) 

Foreign Exchange
% of Foreign Exchange Hedged 22% 9% 0%
Hedged Amount (US$ millions) 181 70 0
Average Swap Rate (USD/CAD) 0.9783 0.9940 -

(1) Percentage of 2012 volumes hedged are based on 54,500 boe/d (mid-point of company guidance), net of royalties (i.e., 
hedgeable volumes).



36

Interest Rate Hedge Positions

Forward-Starting Pay-FixedForward-Starting Pay-FixedSwap Type

Receive-FixedSwap Type

Oct 2012 - Sep 2014Oct 2011 - Sep 2014Term of Contract

4.385%4.055%Fixed Rate

3-month LIBOR3-month LIBORFloating Rate

9090Hedged Amount (US$ million)

Interest Rate (for US$ Bank Line Draw)

Oct 2009 - Sept 2011Term of Contract

915 bpsFixed Rate

3-month BA + 787.5 bpsFloating Rate

150Hedged Amount (C$ million)

Interest Rate (for Series A Sr Unsecured Debentures)

Note: Interest rate hedges established in September 2009. 

Balance Sheet
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Balance Sheet Improvement

190

454

502

179(2)

173

-

150

-

Dec 31

2010

203(6)

516(6)

739

187(3)

246

-

150

156(3)

Sept 30

2011

150-----
Cdn$ Sr Unsecured 
Debentures

188(1)-----Bank Loan (US$ draws)

332434286275227136Funds From Operations

138244174158122113
Cash Distributions / 
Dividends

413

196

-

217

Dec 31 
2004

532

302

10

220

Dec 31
2008

474

128

8

-

Dec 31

2009

367

138

19  

210 

Dec 31 
2006

250140
Bank Loan and Working 
Capital  (C$ draws)

444

16

178

Dec 31 
2007

424

74

210

Dec 31 
2005

Convertible Debentures 

Total Monetary Debt

US$ Sr Unsecured 
Debentures

C$ Million

Debt Composition

(1) Translated to Canadian dollars using the December 31, 2009 USD/CAD noon rate of 0.9555.
(2) Translated to Canadian dollars using the December 31, 2010 USD/CAD noon rate of 1.0054.
(3) Translated to Canadian dollars using the September 30, 2011 USD/CAD noon rate of 0.9626.
(4) Cdn$ Sr Unsecured Debentures mature August 26, 2016. US$ Sr Unsecured Debentures mature February 17, 2021.
(5) Bank Loan matures on June 14, 2014.
(6) Represents trailing 12 months.
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13%

3.06(2)

4.96(2)

15.5(1)

1.4(1)

1.1(1)

332

700

Sept 30
2011

9%

2.40

3.92

17.0

1.1

1.1

246

550

Dec 31
2010

13%27%22%18%26%33%Debt / Enterprise Value

Credit Facility 
(C$ Millions)

515485370300250250Approved credit facility

25027712817312789Bank line undrawn

1.31.01.41.21.52.6Debt to EBITDA

3.45

4.89

8.4

3.0

Dec 31 
2004

2.85

4.24

16.6

1.2

Dec 31
2008

2.41

3.67

11.1

1.4

Dec 31
2009

2.53

3.58

8.8  

1.3 

Dec 31 
2006

Debt / Reserves ($/boe)

2.64

3.83

9.1

1.6

Dec 31 
2007

3.03

4.18

8.6

1.9

Dec 31 
2005

Proved + Probable

Interest Coverage Ratio 

Proved

Debt to Funds From 
Operations

Credit Metrics

(1) 12 month trailing, including pro forma 12 month contribution from assets acquired in H1 2011.
(2) Includes reserve volumes acquired in the first three quarters of 2011.

Financial Projections
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2011E Funds From Operations (C$ Millions)

Notes: 

(1) Table is constructed using nine month actual FFO plus projected fourth quarter FFO at matrix prices.  
(2) Table assumes 2011 average NYMEX = US$4.16/mmbtu and 2011 average FX = US$1.0118/C$.
(3) BTE 2011E cash requirements total $562 million: E&D CAPEX = $355 million and cash dividends net of dividend reinvestment plan = $207 

million (based on 25% DRIP participation).
(4) Table includes impact of hedge positions (both financial and physical).

Strip

2011 Funds From Operations using November 8, 2011 s trip = C$553 million.  Full-year prices for 2011 ar e WTI = US$94.87/bbl, 
NYMEX = US$4.16/mmbtu, FX = US$1.0118/C$ and Heavy Oil Differential = 18% of WTI. Full-year 2011 WTI i s a composite of 
US$94.57/bbl January-October actual and US$96.36/bb l based on the November-December forward strip. Ful l-year 2011 heavy oil 
differential is a composite of 19.5% January-Octobe r actual and 11.3% based on November-December forwa rd market.

10% 15% 20%

$80 $538 $526 $515

$90 $554 $542 $529

$100 $571 $558 $543

Q4/11 
WTI 

(US$/bbl)

Q4/11 Heavy Oil Differential (% of WTI)

$689

2012E Funds From Operations (C$ Millions)

Notes: 

(1) Table assumes 2012 average NYMEX = US$3.75/mmbtu and 2012 average FX = US$0.9818/C$.
(2) BTE 2012E cash requirements total $636 million: E&D CAPEX = $400 million and cash dividends net of dividend reinvestment plan = $236 

million (based on 25% DRIP participation).
(3) Table includes impact of hedge positions (both financial and physical).
(4) Table assumes average production for 2012 of 55,000 boe/d.

Strip

2012 Funds From Operations using November 29, 2011 strip = C$689 million.  Full-year prices for 2012 ar e WTI = US$100.15/bbl, 
NYMEX = US$3.75/mmbtu, FX = US$0.9818/C$ and Heavy Oil Differential = 14% of WTI. 

10% 15% 20%

$90 $639 $586 $533

$100 $730 $672 $613

$110 $824 $759 $694

WTI 
(US$/bbl)

Heavy Oil Differential (% of WTI)

Strip

Strip
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2012E Debt to Funds From Operations 

Notes: 

(1) Table assumes 2012 average NYMEX = US$3.75/mmbtu and 2012 average FX = US$0.9818/C$.
(2) Debt to Funds From Operations ratio is based on forecast year-end 2012 total debt and 2012E Funds From Operations. 
(3) Table includes impact of hedge positions (both financial and physical).
(4) Table assumes average production for 2012 of 55,000 boe/d.

Total debt to Funds From Operations using November 29, 2011 strip = 0.8x. Full- year prices for 2012 ar e WTI = US$100.15/bbl, 
NYMEX = US$3.75/mmbtu, FX = US$0.9818/C$ and Heavy Oil Differential = 14% of WTI. 

10% 15% 20%

$90 1.0x 1.1x 1.4x

$100 0.7x 0.9x 1.0x

$110 0.5x 0.7x 0.8x

WTI 
(US$/bbl)

Heavy Oil Differential (% of WTI)

Strip

Strip 0.8x

Notes: 

(1)  Funds From Operations impact shown as full-year 2012 sensitivities to these commodity parameters.
(2)  Funds From Operations sensitivities based on comparison to November 29, 2011 strip.
(3)  Full year prices for 2012 are WTI = US$100.15/bbl, NYMEX = US$3.75/mmbtu, FX = US$0.9818/C$ and Heavy Oil Differential = 14% of WTI.
(4)  FX sensitivity does not take into account “natural hedge” created by correlation between WTI and USD .

2012E Funds From Operations Sensitivities

With Current Without
Hedges Hedges

WTI +/- US$1.00/bbl 9.0 11.8

Natural Gas +/- C$0.25/mcf 1.9 3.0

Heavy Oil Differential +/- 1% 11.7 15.3

FX Rate +/- C$0.1/US$ 10.1 12.3

Funds From Operations Impact 
(C$ Millions)
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Tax Treatment of Dividends

YesNANo0% (1)

Tax Exempt (e.g. 
pension or 

endowment fund)

NAYesYes15%Corporate

YesNANo (2)0% (1)

Individual – tax 
exempt account 

(e.g. IRA or 401k)

NAYesYes (as a qualifying 
dividend)

15%Individual - taxable 
account

Is refund available 
for excess Cdn w/h

tax? (4)

Is Foreign Tax 
Credit available for 

Cdn w/h tax? (3)

Is dividend taxable 
to recipient in 

country of receipt?

Canadian 
withholding tax 

rate
Type of Recipient

(1) Tax Exempts must provide evidence of exempt status to avoid withholding tax. If tax is withheld, it can recovered later with appropriate documentation.            
Please consult your tax advisor.

(2) Taxable at withdrawal.  Please consult your tax advisor.
(3) The annual claim for foreign tax credits may be limited by US Alternative Minimum Tax. 
(4) Refers to cases in which documentation of tax exempt status is provided to tax authority after Canadian withholding.  Please consult your tax advisor.

*�+�*�	��
	����,�-�.��	����/
0���	����	���
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NoNoNoNo15%UK

NoNoYesYes15%Switzerland

NoNoNo5% of dividend is 
taxable

15%Germany

NoNoYesYes15%France

If recipient is tax 
exempt, is w/h tax 

refundable?

Is refund available 
for excess Cdn 

w/h tax? (2)

Is Foreign Tax 
Credit available 
for Cdn w/h tax?

Is dividend taxable 
to recipient in 

country of receipt?

Canadian 
withholding 
tax rate (1)

Country of 
receipt

(1) As per applicable tax treaty between Canada and recipient country, the withholding tax rate can be reduced to 15% (from 25%) if the 
shareholder provides appropriate documentation to establish that they are a non-resident of Canada to their broker (or in the case of 
registered shareholders, to our transfer agent).

(2) “Excess Canadian withholding tax” refers to instances in which Canadian withholding exceeds dividend tax in country of receipt. 

*�+�*�	��
	����,�-�.��	����/
1����	���(�������	��	����	���

Relative Performance / Valuation
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Total Return Performance

Source: TSX Historical Data, Bloomberg Data, and Company information. Total return includes capital appreciation, cash 
distributions/dividends and reinvestment of distributions/dividends to December 30, 2011.
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4.4%
(0.0% – 7.5%)

4.7%Yield 2011(e) 

9.8x
(3.5x – 19.5x)

9.8xEV/DACF 2012(e)

1.8x

(0.0x – 4.5x)

0.7xDebt / CF 2012(e)

$39.07
($4.13 – $554.60)

$37.23EV + FDC / P+P Reserves (C$/boe)

83%
(65% – 100%)

85%Oil Weighting 

$149,400
($32,200 – $306,500)

EV-Weighted Group Average 
(Range)Baytex

$132,900EV / Production (C$/boe/d) 

Source: Scotia Capital research as at December 29, 2011. Comparison group is Scotia Capital’s Canadian oil-weighted producers group and includes Baytex, 
BlackPearl, Bonterra, Crescent Point, Emerge, Legacy, Longview, MEG, Penn West, PetroBakken, Pinecrest, Rock, Vermilion and Wild Stream. Scotia is 
currently restricted on Emerge. Average is based on enterprise value weighting. In calculating EV/P+P Reserves, Scotia Capital includes future development 
costs (“FDC”) in the enterprise value.

2012 Commodity assumptions: WTI oil US$95.00/bbl, Nymex gas US$4.00/mmbtu, US$0.98/Cdn$, heavy oil differential 18%.
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Anthony W. Marino
President and CEO

(587) 952-3100

W. Derek Aylesworth
Chief Financial Officer

(587) 952-3120

Baytex Energy Corp.
Suite 2800, Centennial Place

520 – 3rd Avenue S.W.
Calgary, Alberta  T2P 0R3
Telephone: (587) 952-3000

1-800-524-5521
Website: www.baytex.ab.ca

Contact Information

Brian Ector
Vice President, Investor Relations

(587) 952-3237


